First and foremost the definitions utilized should be correct:

1. The definition provided for Buoyancy is incorrect:

Buoyancy as defined according to Webster:


The ability to float or to rise in liquid or air; or


The power to keep something afloat; upward pressure on a floating object

Thus CO2 either has the ability to float on oil (it is typically heavier than natural gas) or the oil has the power to keep CO2 afloat by exerting upward pressure on the CO2.

The oil does not cause an upward force on the CO2.  In fact if the CO2 is injected into a natural gas reservoir the CO2 will actually fall to the bottom of the reservoir and the natural gas will rise to the top of the reservoir.

The injection of CO2 does not cause any additional upward force on the confining rock or formation than any other injected fluid. (i.e. when water is injected into an oil reservoir does the oil become buoyant and cause an upward force on the confining formation?  No.)

CO2 is very similar to natural gas in that a certain volume of CO2 will dissolve into the oil and only when the oil becomes saturated with natural gas or CO2 does the natural gas or CO2 separate and rise to the top of the reservoir.  No one has ever used the term buoyant when discussing natural gas.
The term “buoyant CO2” throughout the report should be replaced with just CO2. 

2. Casing:  Typically States require surface casing be set 100’ below the deepest USDW not to the base of the lowermost USDW.
3. Corrosive:  The corrosiveness of CO2 when in the presence of water will depend on the relative fractions of each of the fluids and the temperature and pressure.
4. EOR:  The injection of water or brine does not recover residual oil; they only can assist in recovering mobile oil in the reservoir.  Only CO2 thins (decreases the viscosity) residual oil, it does not change the viscosity of natural gas.

5. MIT: Only certain MITs will detect problems before they occur.

6. Supercritical Fluid:  Supercritical fluids have physical properties of both the gas and liquid phases of the same material.  Not sure intermediate is the correct word.

Preamble:

A 1 Paragraph 4 – The EPA states that a portion of the CO2 will dissolve into the native ground water or hydrocarbons supporting the position in the definition of buoyancy.
Native ground water is a poor term as well, they should use saline or brine

B second to last paragraph – I do not ever remember getting permission or additional permit to perform an oil or diesel frac,

D “Other Potential Impacts” Paragraph 4 – I do not think the facts associated with the Crystal Geyser are accurate.  A review of the facts surrounding Crystal Geyser indicates that the CO2 was not injected CO2 but was actually naturally occurring CO2 that is leaking through an improperly plugged well.   If it was injected CO2 it would not periodically erupt.
I think the intent may have been to say the risks are low because the CO2 concentrations were below levels that were harmful to humans just meters away from the well, but I am not sure the reader will get that far.
The Lake Nyos and Lake Cameron references are misplaced as well, again discussing something that is not similar to what is being proposed and then stating in the last sentence of the paragraph that none of these conditions is “likely” is misrepresentative.

“Seismic Events” – researching the facts indicate that seismic events were only seen when massive quantities of CO2 were injected next to a very weak fault.  

G – Stipulates that Class I, II and V wells may be grandfathered if the EPA Director can make a determination.  The regulation should be if all conditions of a Class VI well, other than construction, are met then Class I, II and V wells shall be grandfathered by the Director.  

J paragraph 2 – Would prefer the EPA define a CO2 stream as some minimum Co2 percentage rather than making streams subject to potential changes in future regulations.  What might not be deemed hazardous today may be deemed hazardous in the future.

2 Propose Area of Review, paragraph 4 – To accurately predict with computational modeling, will require the use of compositional modeling to accurately predict the movement and final location of the CO2.  Very few, if many firms even have the simulators and we are unaware of any that take into the account the interaction of the Co2 with formation fluids other than hydrocarbons.

3 Proposed Injection Well Construction, paragraph 3 – long strings are not typically cemented back to the surface pipe.

3 Well Component Degradation, paragraph 3 - First sentence is a gross overstatement.  There may be limited experience but very few if any operators use acid resistant cements in EOR.

paragraph 5 -  The use of laboratory data rather than actual field data is an absolute travesty.  To suggest that the laboratory results are more representative of actual conditions than field data is just totally incorrect.  Suggesting the field data is limited and thus laboratory test that probably do not replicate real world conditions is more reliable because they can be run and repeated several times is again evidence of naivety on the part of the EPA.
Paragraph 6 – CO2 that will be injected into EOR or saline reservoirs will be required to be very dry in order to get the Co2 to the well.  Thus the need for stainless steel tubulars is unnecessary and will not provide any additional level of safety and thus should not be required unless the well will be subjected to CO2 that has not been dehydrated prior to injection.  We could provide plenty of accounts of non stainless tubulars that have been pulled from injection wells that show no signs of corrosion.

The proposal to require the use of acid resistant cements and corrosion resistant tubulars is unnecessary and neither will substantially increase the safety or reliability of CO2 injection wells.  EOR operators have been injecting CO2 for many years without using acid resistant cements or corrosion resistant tubulars and have clearly demonstrated that well construction of CO2 injection wells without these unnecessary requirements pose no greater threat to the environment than wells that are constructed with the resistant materials and equipement.  The primary reason for the success is that CO2 transported and injected for EOR has been dehydrated to a level where no free water exist and the fact that the CO2 injected has the capability of absorbing significant quantities of water and therefore with no free water present the CO2 is not corrosive.
4. Proposed Injection Well Operating Requirements – While downhole shut-in valves may provide additional safety measures for offshore wells that may be sheared off by storms or other events, on-shore wells are much less likely to have a catastrophic event.  The down-hole safety valves while providing some measure of additional safety also add another point at which a well leak or failure can occur.

5. Proposed MIT Testing, paragraph 3 – Not aware of any company that runs a geophysical tool or survey every five years to determine external mechanical integrity,  This may be a requirement for a Class I or V well but it is not a requirement for Class II wells.
The requirement to run these external mechanical integrity test on an annual basis will increase the likelihood of having a well control event due to having to kill the well and removing the tubing on an annual basis.  If a simple tracer log is acceptable this requirement may be acceptable.

6. Plume Monitoring – as long as plume monitoring does not require the use of seismic surveys then this could be acceptable.  The injection of CO2 within EOR reservoirs is well defined and understood without significant expense and modeling.
8. Plugging – Requiring a plugging plan complete with details at the time of permitting is unnecessary and in essentially 100% of the cases will be changed subsequent to the plugging of the well.  Given the requirement that several of the wells will not be plugged for up to 50 years after injection ceases.

Post injection modeling – Once the pressure in the reservoir equalizes throughout the reservoir there will be no new data to add to the modeling and thus no additional modeling of measureable results can occur.

2 National Cost Summary – Incremental costs are greatly underestimated.  Will get data through TXCCSA to state.

I am getting the incremental cost for cementing as proposed and for tubulars.

Given the incremental costs they have estimated I do not doubt they do not believe these additional costs will impede CO2 GS, but as we all know there are other significant costs that CCS imposes so adding any unnecessary additional costs is not advisable and may impede the development of CO2 GS.

Requiring three (3) monitoring wells for each injection well is clearly unnecessary and actually absurd.  Multiple injection wells in the same reservoir should be able to share monitoring wells.  Some sort or minimal spacing requirement for monitoring wells will be more effective than just requiring 3 monitoring wells per injector.

Their estimate of the $3/ton transportation is absolutely the lowest amount that may be incurred unless very short pipeline are used.  The average cost based on our estimates is closer to $8 to $10/bbl.

B Comparison of Benefits and Costs – The requirements proposed under this proposed rule will not provide any more protection of USDW than the existing rules for Class I, II or V wells.  There is no evidence that Class I, II or V wells have endangered USDW under the existing rules and thus suggesting that the proposed rules are better because the “consider a buoyant fluid” is baseless in fact. These types of statements indicate the EPA’s reasoning for requiring certain things and their belief that CO2 will act differently in the formation than oil, gas or water.  When in reality the only potential difference is its potential corrosivity in certain circumstances.
Actual Proposed Rule Comments:

146.82 (f) – Map of the deepest USDW is all that should be required if you are injecting below the lowest USDW.  The EPA should only allow injection below the deepest USDW.

(l) Not sure how you can provide results of formation testing before the well is permitted and drilled.  Maybe the EPA is willing to  let you drill the well first, but not very many individuals will drill the well unless they have a permit or have another use for the well.  The construction requirements as proposed would probably eliminate any one drilling a well before confirmation of the approval of the permit

(r) See (l), logging is done after drilling

(s) Mechanical integrity testing is done during completion

146.84 (a) – not sure a model exist that can account for the physical and chemical properties of all phases of CO2

148.86 1 (v) – rule proposes to require the operator to provide the corrosiveness of CO2 stream and formation fluids.  One would assume they are talking about the combination of the two, but what guideline are they wanting to use, lab analysis, empirical testing, analogous wells.

(3) Cementing the long string to the surface will prevent the monitoring of pressure between the surface casing and long string, eliminating a method to determine if there is any migration behind the casing.  The expense of cementing the long string back to the surface is excessive and unnecessary

146.87 a (2ii)  There is no reason to run all three logs.  
3 (i) There is no reason to run a fracture finder log in every well. The operator should be allowed to submit a proposed logging suite based on the reservoir and geology and the Director should approve, modify or suggest changes.

(ii) same as 146.87 (2) above

       (b) The requirement to take cores in more than one well is again excessive. Many of the physical properties of the injection reservoir and the confining formations can be evaluated from logs or other measures.  A whole core is only very small sample of the reservoir and a sidewall core is even a smaller sample.  Taking a whole core is very expensive and there are some formations that are not amenable to sidewall cores.  The suggestion that the Director can require cores in other zones is overly broad and will result in significant additional expenditures.  Not sure if it was intentional but the taking of cores is required prior to setting casing and thus it is probably more appropriate that (b) be included in (a) as part of the drilling process.  Does the EPA want to keep the actual cores themselves?
(d) (1) the determination of fracture pressure in the confining zone will require the confining zone to be either cored, or perforated to determine the fracture pressure.  There are methods of calculating the fracture pressure from open hole logs as well, but every time you add additional holes in the casing you are decreasing the security and mechanical integrity of the casing.
(d) (2&3) the EPA should define what physical and chemical properties that desire to receive in the injection and confining zone not just say other.  Same for formation fluids

(f) 30 days notice for logging operation is not practical, the EPA will have to be willing to have much shorter notice periods for logging and testing or significant unnecessary costs will be spent waiting on them.  The timing of logging operations is generally only known within 24 hours of it actually occurring.  Testing may have more advanced warning, but if there are delays in operations we can not be required to make sure the EPA has 30 days notice.

146.88 (c) Maintaining a pressure on the annulus exceeding the operating injection pressure will in most cases exceed the burst pressure of the casing.  

They may have meant to say the operator shall maintain a pressure on the annulus such that the bottom hole annulus pressure exceeds the bottom-hole injection pressure on the tubing.  The vast majority of the pressure required to inject is friction pressure created by the injection process and is not transmitted down-hole.  Even this requirement may not be possible depending on the casing that has been set.
(e) if the operator is required to maintain pressure on the annulus greater than the injection pressure the monitoring of the annulus pressure may or may not indicate whether mechanical integrity has been compromised.  Allowing the operator to determine the amount of pressure to maintain on the annulus will allow the operator to set the pressure at such pressure to monitor whether or not the  mechanical integrity has been compromised or if the packer is leaking as well.

146.89 (c) (3) a casing inspection requires the tubing to be pulled and thus is increases the possibility of having a well control event.

146.90 (b) not sure there is any way to monitor the actual volume of annular fluid in the annulus on a continuous basis.

(c) in the vast majority of injections the CO2 being injected will have been dehydrated prior to being injected, therefore any of the options suggested in this paragraph will not determine anything about the mechanical integrity of  down-hole casing, tubing and other equipment because the CO2 is not corrosive at the surface.

(f) does the pressure fall-off test have to be analyzed or do they just want the actual data itself?

(i) is an open-ended potential costly policy that will not ensure any better results are obtained by the modeling.  This should be deleted.

146.92 (b) (5)  The proposed regulation requires the wellbore be flushed prior to plugging, so it seems unnecessary to use cement compatible with the CO2 stream.  In absence of water CO2 is compatible with conventional cements.

146.93 (b) (1) 50 years is excessive.  The EPA should consider a shorter period, 10 or 15 years, and if the post injection monitoring indicates the time needs to be extended then the EPA should be able to extend the period.  Stating it as 50 years with the EPA having discretion to shorten the time period is dangerous and will result in unnecessary expenditures.
(e) (1) an operator will have already supplies a plat of all well locations to the EPA, requiring an additional one at the time of site closure is redundant.

